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Foreword
This report, prepared for the Global CCS Institute by a consortium of research organizations led
by Stanford University, presents an assessment of fundamental issues pertaining to the relative
permeability of brine and carbon dioxide (CO2) systems. The research described followed an
earlier report published by the Institute in August 2013 which provided an overview of this topic
and highlighted knowledge gaps.

Predictive modeling of CO2 geological storage is a key requirement of emerging CCS storage
standards and regulations. Such models, calibrated against monitoring data collected during the
operational and closure phases of a project, can demonstrate the long term security of storage by
showing that CO2 is conforming to predicted behavior (within reasonable limits) within the storage
reservoir or complex. For storage in deep saline formations, where CO 2 is injected into the pore
spaces of rocks previously occupied by saline groundwater (brine), relative permeability is an
important input parameter for predictive models. In this context, relative permeability can be
defined as the effective permeability values for both CO 2 and brine; when these values are plotted
on a graph against varying brine saturations, the resulting curves describe the manner in which
flows of the two fluids through porous rocks interfere with each other.

Selecting relative permeability values for predictive modeling of CO 2 storage is not
straightforward. Both theoretical models and laboratory experiments can be used to assess
relative permeability of brine-CO2 systems, but uncertainties remain over the reliability of both
approaches in replicating reservoir conditions and accounting for rock heterogeneity in both
drainage and imbibition processes. The low viscosity of CO 2 in comparison to brine also leads to
a system where capillary forces tend to dominate viscous forces, making laboratory experiments
challenging and the system relatively sensitive to fluid properties.

Key conclusions drawn from this report are listed below against the five major knowledge
gaps/research priorities for brine-CO2 systems as identified by the 2013 institute report:

1. Influence of interfacial tension on drainage relative permeability: Results of two sets
of laboratory experiments indicated that for a range of conditions typical of CO 2 storage
reservoirs, variations of interfacial tension between the two fluids are unlikely to have a
major impact on relative permeability curves.

2. Comparison of methods for making relative permeability measurements: Numerical
simulations were carried out for steady-state and unsteady state measurements over a
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wide range of conditions. Results indicated that the wide range of relative permeability
values reported in the scientific literature are unlikely to be due to different measurement
techniques.

3. Investigation of the low end-point relative permeability and high irreducible water
saturations: Relative permeability measurements were made using an alternative,
stationary fluid method. Results indicated that frequently reported low end-point relative
permeability values and high irreducible brine saturations may be the product of more
commonly employed test methods.

4. Development of a larger dataset for imbibition relative permeability curves: A new
set of imbibition relative permeability curves were measured over three successive
drainage and imbibition cycles, adding to available data on imbibition relative
permeability.

5. Identification of best practices for making relative permeability measurements:
Research indicated that for homogeneous rocks, both steady-state and unsteady-state
methods provide reliable relative permeability measurements for low CO 2 saturations.
Reliable measurement of irreducible brine saturations and end-point relative permeability
values requires alternative techniques such as the stationary fluid method or centrifuges.
Obtaining reliable relative permeability curves for rocks with significant heterogeneity
should be the subject of further research.

The report makes the following recommendations for further work:


A comparative study of relative permeability measurements using a range of relevant
rock-types



Investigation of the influence of heterogeneity using a combination of laboratory
measurements, high-resolution numerical simulations and field-scale studies



Establishment of an open access database of relative permeability and capillary pressure
curves



Increase in the number of drainage and imbibition cycles in future experiments



Development of a ”best practices” manual for making relative permeability
measurements.
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Executive Summary
Relative permeability curves during both drainage and imbibition are a key determinant of the fate
and transport of carbon dioxide (CO2) over the lifetime of a storage project. Reliably predicting the
fate and transport of CO2 using mathematical models requires accurate knowledge of relative
permeability under the conditions relevant to the full lifecycle of a storage project. To date only
limited information on these critical parameters is available, much of which is summarized in Part
1 of this report [Benson et al., 2013]. This report to addresses the following key gaps in
knowledge and data related to CO2 storage in saline formations:









Influence of interfacial tension, wettability, and viscosity on relative permeability;
Influence of measurement methods on reported relative permeability curves;
Explanation for the low end-point relative permeability and high irreducible water
observed in most of the published data on CO2/brine relative permeability;
Lack of a sufficient number of data sets for imbibition relative permeability curves;
Influence of heterogeneity on relative permeability curves;
Identification of best practices for making relative permeability measurements for CO2brine systems; and
Importance of relative permeability curves for other processes such as exsolution of CO 2
from the brine phase.

Key Findings
Role of Interfacial Tension on CO2/brine Relative Permeability Curves: Two sets of laboratory
experiments using supercritical CO2/brine, CO2gas/brine, and N2/brine were carried out to
systematically assess the influence of interfacial tension on the measured relative permeability
curves. Both experiments suggested that changing the interfacial tension from 35 to 65 mN/m
(the range of values for interfacial tension expected for typical storage reservoirs) did not have a
significant effect on the measured relative permeability curves. Consequently, from these studies,
over the range of conditions relevant to CCS (including the reservoir and overlying formations),
interfacial tension variations are not likely to have a significant impact on relative permeability
curves for conditions representative of typical geological storage reservoirs.

Measurement Methods for Relative Permeability for CO2/brine Systems: Differences in the
methods used by various research groups to measure relative permeability curves are one
possible reason for the wide variability between measured relative permeability curves for
CO2/brine systems. To assess whether or not this explanation is likely, a systematic comparison
between steady-state and unsteady state relative permeability measurements was carried out
using numerical simulation. Simulations were conducted assuming that the cores are
homogeneous. Under these conditions, both methods appear to create equally good results as
long as the flow rate is high enough to avoid end effects. This study did not systematically assess
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how high the rates need to be as it depends on the permeability of the rock, viscosity ratio,
density ratio, and capillary pressure curve. Based on these studies, it is unlikely that the wide
range of relative permeability values reported for the CO 2/brine system can be explained as the
consequence of the different measurement techniques used. Instead, they are likely to be
explained by the different geology, including heterogeneity and/or wettability, of the cores.

Explanation for Low End-Point Relative Permeability and High Residual Brine Saturations. A set
of relative permeability measurements was made to investigate whether reported high end-point
irreducible water saturations and low end-point relative permeability to CO2 are indeed real, or
result from limitations of the measurement techniques in use today. Because of the unfavorable
mobility ratio and high interfacial tension between CO2/brine, it is difficult to reach the high
capillary pressures needed to achieve high CO2 saturations in the cores. Krevor et al., [2012]
pointed out that for steady state measurements, it would be difficult or impossible to reach
irreducible brine saturations. An alternative technique, the stationary fluid method (also
sometimes called the semi-dynamic method), not limited by this constraint, was employed to
measure the relative permeability to supercritical CO2, gaseous CO2, and nitrogen [Pini and
Benson, 2013]. Application of this method shows that all three fluids have similar relative
permeability curves – and the low end-point relative permeability values and high irreducible brine
saturations are an artefact of the other methods currently employed to make relative permeability
measurements. However, this remains an open issue warranting additional investigation [e.g.
Levine et al., 2013].

New Imbibition Relative Permeability Curves: A new set of imbibition relative permeability curves
has been measured, covering 3 successive drainage and imbibition cycles. The data can be
represented by the van Genuchten-Burdine relative permeability formulations using a definition of
effective saturation that includes a trapping term, as suggested by (Patterson and Falta, 2012)
and described in [Ruprecht et al., 2014]. More imbibition data sets are needed to provide
accurate information about residual trapping and how it depends on the saturation history of the
rock.
Influence of Heterogeneity on Relative Permeability Curves: New measurements have been
made for three rocks from Israel, each having similar mineralogical makeup, but with different
types and degrees of heterogeneity. Relative permeability measurements have been made with
simultaneous x-ray CT imaging of the porosity and CO 2 distributions. Relative permeability curves
for each of these rocks, even though they have similar mineralogical composition, vary widely.
The large differences between the relative permeability curves, and saturation variations
observed in the cores provide additional evidence that small-scale heterogeneity (sub-core scale)
and perhaps variable wettability characteristics play an important role in controlling relative
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permeability to CO2 and brine. Additional studies of the influence of sub-core scale heterogeneity
are needed. Moreover, insight gained from careful studies of small-scale heterogeneity can be
used to improve our understanding and mathematical modelling of the larger scale
heterogeneities that are also ubiquitous in geological formations.

Importance of relative permeability curves for other processes such as exsolution of CO 2 from the
brine phase: The relative permeability to CO2 and brine depend on the process by which separate
phase CO2 is introduced into the rock. Exsolution of CO2 caused by depressurization of CO2
saturated brine provides an excellent example of this. The relative permeability to both exsolved
CO2 and brine is much lower than for CO2 introduced by injection (a drainage process).
Additionally, experiments show that exsolved CO2 is trapped more strongly during imbibition,
compared to trapping of CO2 introduced during drainage. Numerical simulations used for
predicting the fate of CO2, particularly associated with any process resulting in large pressure
drops (e.g. leakage of CO2), should use relative permeability curves specific to the process of
interest.

Best Practices for Making Relative Permeability Measurements for CO2-Brine Systems: Today,
relative permeability measurements have been made using a number of different methods,
including steady state, unsteady state, and stationary fluid methods. Given the unique properties
of the CO2-brine system, resulting from low viscosity of CO2 relative to brine and high interfacial
tension, there is a need to develop best practices for making relative permeability measurements
for CO2 storage projects. Our studies suggest that for homogeneous rocks, both unsteady and
steady state methods should provide reliable relative permeability measurements for low CO2
saturations (typically 0-30% CO2 saturation, but highly dependent on the rock properties).
However, neither method can practically provide accurate values for irreducible brine saturations
and end-point relative permeability values. Other methods such as the stationary fluid method
with progressive increases in the CO2 injection rate and/or centrifuge measurements are required
to measure these values. For heterogeneous rocks, which are the rule and not the exception,
additional studies are needed to assess the best methods for making relative permeability
measurements over the full range of relevant saturations.

Recommendations for Future Research
While there have been significant advances in the understanding of multiphase flow of CO2 and
brine from this and many other excellent studies, important questions remain, particularly
associated with the influence of geological heterogeneity, wettability and the reliability of different
measurement methods. Key to making the next advances are the combination of coordinated
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laboratory experiments, numerical simulations, and field-scale investigations. Specific
recommendations for continued research in this area are as follows:
1. Conduct a “round-robin” relative permeability measurement comparison study using a
range of relevant rock types, ideally, in partnership with leading commercial and
academic laboratories where these measurements are being made today.
2. Investigate the influence of multi-scale heterogeneity on relative permeability for
CO2/brine systems by carrying out a combination of multi-scale laboratory
measurements, high-resolution numerical simulations, and field scale studies to
determine the best approach for including the influence of heterogeneity on the relative
permeability for CO2/brine systems.
3. Establish an open access database of relative permeability and capillary pressure curves
for CO2/brine systems.
4. Increase the number of drainage and imbibition relative permeability measurements for
CO2/brine systems.
5. Develop a best practices manual for making relative permeability measurements for
CO2/brine systems.
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1. Introduction
The purpose of this report is to address some of the key gaps in knowledge and data related to
CO2 storage in saline formations. Relative permeability is one of the most important properties
influencing the fate and transport of CO2 in the subsurface. It is a parameter that quantifies the
extent to which the injected CO2 and water interfere with each other as they migrate through
rocks. To one degree or another it affects almost every aspect of a storage project. The size and
shape of the CO2 plume, the injectivity of the well, the extent of capillary trapping, and leakage
through the seal are all influenced by relative permeability. Relative permeability parameters are
also used directly in all of the mathematical approaches, both numerical simulation and analytical
approaches, for predicting and history-matching the fate and transport of CO2 in the subsurface.
Consequently, accurate measurements for this important parameter are indispensable.

The concept of relative permeability was established nearly a century ago, finding applications in
agriculture – as well as – oil and gas recovery. Beginning in the 1960s, a new wave of interest
grew through the fields of contaminant hydrology and nuclear waste storage. In the late 1990s, as
CO2 storage emerged as an important option for reducing greenhouse gas emissions, once
again, the need for new understanding arose. One might reasonably ask why a concept
established nearly a century ago would remain a topic of active inquiry.

The origin of the ongoing research into relative permeability stems from the fact that, in practice,
relative permeability is an empirical parameter that depends on the specific context in which it is
being applied. For example, one of the primary interests in relative permeability grew out of
water-flooding depleting oil fields to enhance oil recovery. In this case water, the so-called wetting
fluid is used to displace the non-wetting fluid, oil. Scientifically, this is referred to as an imbibition
process. Consequently, it is necessary to measure relative permeability during imbibition. On the
other hand, for CO2 storage in a saline formation, CO2, the non-wetting fluid, is injected into a
brine-filled reservoir. When CO2 is injected into the storage reservoir water is displaced; this is
referred to as a drainage process. During CO2 injection, drainage relative permeability curves
control how much water is displaced. Likewise, after CO2 injection stops, water begins to imbibe
back into the CO2 plume. The amount of CO2 trapped during imbibition is controlled by the
imbibition relative permeability curves. Relative permeability can also depend on the
heterogeneity of the rock, the spatial scale of the measurements, and arguably, even on the
method for making the measurement. As a result of these and other factors, relative permeability
remains of topic of relevance and continued interest.

The currently available data set of relative permeability curves for CO2/brine systems at
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pressures, temperatures, and brine compositions representative of deep saline formations is still
very limited. As described below, some of these initial measurements suggest that the relative
permeability depends strongly on the nature and degree of heterogeneity, may be flow-rate
dependent, or be influenced by the interfacial tension between CO 2 and brine. These findings are
contrary to accepted behaviors for oil/water systems and raise questions as to the origin of the
observations. For example, it is unclear whether the differences observed are due to the peculiar
properties of supercritical CO2 (high density and low viscosity) as suggested in [Müller, 2011], to
the experimental challenges associated with the use of this fluid pair as suggested by [Krevor et
al., 2012; Akbarabadi and Piri, 2013], and/or to its complex interactions with the rock minerals
(wetting behavior) discussed in [Dickson et al., 2006; Kim et al., 2012].

In Part 1 of this series of reports [Benson et al., 2013], some of the major data gaps and
uncertainties were identified that are particularly relevant to the CO 2/brine fluid pair. These are
summarized below as an introduction to this report. In the subsequent sections, we present
results from recent experimental and modeling studies carried out in our laboratories with the aim
of resolving some of these gaps. We also provide new measurements for reservoir cores
extracted from potential storage sites so as to extend the current library of relative permeability
measurements in various geological settings. New contributions also entailed the development
and use of novel techniques to perform such measurements.
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2. Gaps and Data Needs for Relative Permeability of
CO2-Brine Systems
Relative permeability curves during both drainage and imbibition are a key determinant of the fate
and transport of CO2 over the lifetime of a storage project. Reliably predicting the fate and
transport of CO2 using mathematical models requires accurate knowledge of the relative
permeability during both drainage and imbibition. To date, only limited information on these
critical parameters is available, much of which is summarized in Part 1 of this report [Benson et
al., 2013]. Many open questions about relative permeability for CO2/brine systems remain. For
example, what are the appropriate relative permeability curves to use for simulating the fate and
transport of CO2? What are the most reliable measurement techniques for making relative
permeability measurements? Can analog fluids and conditions be used for making relative
permeability measurements for CO2/brine systems? Do changes in wettability of reservoir rocks
occur and if so, what will be the influence on relative permeability curves. And, how should we
account for the influence of small-scale heterogeneity present in reservoir rocks on relative
permeability curves?
While the concept of relative permeability is well established – and large data sets are available
for oil-water systems, the CO2-brine system poses unique challenges that require special
consideration. Specifically, the very low viscosity of CO 2 compared to water, creates a system
where viscous forces are much smaller than for oil-water systems and fluid flow tends to be more
influenced by capillary forces. The importance of capillary forces affects both the ability to make
reliable relative permeability measurements – as well as – potentially increases the importance of
the fluid properties on multiphase flow behavior.

This report addresses the following major gaps and recommendations identified in Part 1 of this
study [Benson et al., 2013].
1. Influence of interfacial tension, wettability, and viscosity on relative permeability. Data in the
literature provide contradictory conclusions about the role of interfacial tension and viscosity
on the relative permeability curves. We recommend carrying out a set of relative permeability
experiments that definitively demonstrate and quantify the role of variations of these
parameters on the CO2-brine relative permeability curves. It is important to ensure that the
effects of viscosity, wettability, and interfacial tension are assessed individually. Careful
selection of the pressure and temperature of CO2 is needed to accomplish this.
2. Influence of measurement methods on reported relative permeability curves. A systematic
comparison of relative permeability measurements for CO2/brine systems obtained using
different methods has not been undertaken. The wide range of relative permeability curves,
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the low end-point relative permeability (relative permeability at the irreducible water
saturation) to CO2, and high irreducible water saturations suggests that some of the variability
between data sets can be explained by the different methods used to measure them. We
recommend making a set of measurements using a variety of techniques on representative
rock cores in order to establish the agreement or lack thereof between different measurement
techniques.
3. Investigation of the low end-point relative permeability and high irreducible water saturations.
Most existing data sets suggest that the end-point relative permeability to CO2 is low (<0.5)
and that the irreducible water saturation (Swir) is high ( >0.4). However, theoretical
considerations and experimental limitations suggest that this may be an artifact of
measurement techniques. We recommend a systematic study to explain these observations.
Important variables include flow rates, degree of heterogeneity of the core, and experimental
design.
4. Lack of a sufficient number of data sets for imbibition relative permeability curves. Very little
information is available for the CO2-brine system about hysteresis and the extent of residual
gas trapping, and how it depends on fluid properties, imbibition rates, and rock heterogeneity.
There is a great need for more core-scale imbibition relative permeability measurements. We
recommend conducting a systematic study of imbibition relative curves over a typical range of
conditions (pressure, temperature, and brine salinity) and for a relevant set of reservoir rocks.
5. Influence of heterogeneity on relative permeability curves. All rocks are heterogeneous to
some degree. One explanation for the wide range of relative permeability curves is that the
geological heterogeneity has a large effect on CO2/brine systems. In general, compared to
oil/water systems (which have been studied extensively), the interfacial tension is higher in
the CO2/brine system, and the viscosity ratio is unfavorable (the viscosity of CO 2 is typically
only 5-10% of the viscosity of brine). Under these conditions, capillary forces will be relatively
more important; hence, geological heterogeneity is likely to exert a larger influence on the
relative permeability curves. More measurements of relative permeability are needed where
simultaneous measurements of geological heterogeneity and CO2 saturations are made.
6. Identification of best practices for making relative permeability measurements for CO2-brine
systems. Relative permeability measurements have been made using a number of different
methods, including steady state, transient, and stationary fluid methods. Given the unique
properties of the CO2-brine system, resulting from the low viscosity of CO2 relative to brine
and high interfacial tension, there is a need to develop best practices for making relative
permeability measurements for CO2 storage projects. We recommend that based on an
assessment of the above issues, standard protocols for making relative permeability
measurements for the CO2-brine system are developed.
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7. Importance of relative permeability curves for other processes such as exsolution of CO 2 from
the brine phase. Recent experiments have shown that the relative permeability depends
strongly on the process by which the non-wetting phase (e.g. CO2) is introduced into the rock.
While under most circumstances CO2 will be introduced by injecting it into the rock, a socalled drainage process, it is also possible that CO2 could exsolve from brine (Falta et al.,
2013; Zuo and Benson, 2013). It is important to understand how relative permeability could
be affected both by drainage and other processes, and if this has potential implications for
storage, e.g. risks associated with potential leakage, or storage associated with enhanced oil
recovery.

In the following sections, we address these issues and draw conclusions about the current state
of understanding of relative permeability for the CO2/brine system.
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3. Impact of Interfacial Tension on Relative
Permeability
Evaluating the impact of interfacial tension on multiphase flow in the CO 2-brine system is not a
trivial task given that multiple fluid properties (density, viscosity and interfacial tension) are
changing over the same conditions of pressure, temperature and brine salinity (Figure 1).
Experimental observations evaluating the impact of these properties on multiphase flow for this
system must take into account the multi-dimensional nature of the relevant parameter space in
the experimental program design.

Figure 1: Interfacial tension colour map with lines of constant density (straight lines) and viscosity (curving
lines) ratio superimposed. Correlation for interfacial tension from [Li et al. 2012].

In Figure 1, a map of CO2-water interfacial tension as a function of pressure and temperature is
shown with lines of constant viscosity ratio and constant density ratio. From this, it is apparent
that experiments could be carefully designed to make observations of the relative permeability by
varying interfacial tension while holding one or more of these parameters constant.

Initial observations of the impact of interfacial tension on the relative permeability of the CO 2-brine
system have been made by carrying out three steady-state relative permeability tests at varying
conditions on the same rock core, a 20 cm long Bentheimer sandstone. Two of the tests were
performed with CO2 and brine at reservoir conditions of pressure, temperature, and brine salinity,
while a third test was performed using a nitrogen-brine system at ambient conditions (Table 1).
The range of interfacial tension spanned from 37 mN/m to 62 mN/m.
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Table 1: Conditions of steady state drainage relative permeability curves used for experiments to assess the
influence of interfacial tension.

Fluids
CO2-brine
CO2-brine
N2-Water

IFT [mN/m]
37
41
62

T [oC]
91
65
50

P [MPa]
10.3
10.5
15.5

S [mol]
0
3
0

The three measured relative permeability curves are provided in Figure 2 and show little variation
in the relative permeability between experimental tests. This is similar to the results reported
using the semi-dynamic method for measuring relative permeability reported in Section 5 and
Figure 10. This suggests that variations in interfacial tension alone (for the range of conditions
expected in storage reservoirs) will not lead to variation in the relative permeability characteristics
of a given rock.

0.4

CO 37 mN/m
2

CO2 41 mN/m

k

r

0.3

N2 65 mN/m

0.2

0.1

0
0.2

0.4

S

0.6

0.8

w

Figure 1: Relative permeability curves measured for three different interfacial tensions using a Bentheimer
sandstone. As shown, the relative permeability curves are essentially identical.
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4. Comparison of Steady and Unsteady State
Techniques
In this section we report simulations to compare, from a theoretical perspective, relative
permeability measurements using steady and unsteady state methods. Of particular interest is
the comparison of these methods for the CO2-brine system. From this study we conclude that for
homogeneous rocks, reliable results for relative permeability can be obtained for the CO 2-brine
system at sufficiently high flow rates using both the steady and unsteady states methods. Both
tests can only be expected to provide reliable data at a limited range of saturations. Additional
measurement techniques, such as using a centrifuge or making measurements on much longer
cores, are often required to obtain the capillary pressures necessary to reach the irreducible
water saturation (endpoint) and to calculate the relative permeability to CO2 at the endpoint.

One and two-dimensional models have been created in a black oil reservoir simulator. Inputs
were relative permeability curves representative of Berea sandstone. Steady and unsteady state
relative permeability tests were simulated and simulated pressure, saturation, and flow data were
used to compare what would be observed for the relative permeability in a laboratory setting with
the “true” input properties. Additionally the impact of fluid properties and flow conditions on the
synthetic data were also evaluated.
The simulation tool used in this work is the adaptive implicit-explicit black oil simulator (IMEX®)
from the Computer Modeling Group (CMG). Carbon dioxide and brine are immiscible by default in
the black oil simulator. In the steady state experiment, CO2 and brine were injected into an initially
100% brine saturated core and CO2 ratios increased stepwise from 5% to 100%. At each ratio,
the criteria for steady state was that the variation of core average saturation and pressure drop
was less than 5% between consecutive injected pore volumes.
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Boundary slices were added to both inlet and outlet ends of the core, with the same dimension,
and properties as the rock slices. A constant injection rate and constant pressure boundary were
implemented in the inlet and outlet grid elements, respectively. Linear relative permeability curves
were used for the inlet and outlet slices to represent full mobility for each phase. At the inlet
boundary, CO2 and brine were injected at a fraction of the total injection rate. The capillary
pressure between two phases was set to zero at the inlet. At the outlet boundary, the capillary
pressure between the two phases was set to a constant equal to the entry capillary pressure Pe.
The input relative permeability curve and the validation of the simulations with the Buckley
Leverett solution are shown in Figures 3 and 4, respectively.

Figure 3: Characteristic relative permeability used in Base model (Black line). Drainage CO2 (open) and brine
(solid) data from Krevor et al., 2012 (red) and Kuo et al., 2010 (blue).

The relative permeability obtained simulating the steady state technique was calculated from the
two-phase formulation of Darcy's law, Eq. 1, where i represents the two different phases (CO2
and water).

kr,i =

qi mi L
kA(Pi,inlet - Pi,outlet )

(1)
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Figure 4: Comparison between analytical solution and CMG solution: Blue line: the analytical solution. Green
triangle: numerical solution with 500 grid cells. Red square: solution with 1500 grid cells.

The state of the art in obtaining relative permeability from unsteady state displacements is to use
a simulation-based history match of pressure, saturation and flow data from a core-flood. The
operation of the core-flood itself, however, follows the protocol for a technique that allows for the
direct interpretation of the data known as the JBN method.

In the case where the JBN method produces a good fit to the data, it is a given that a simulation
based history match would also perform well. Thus the strategy in this investigation was first to
use the JBN technique to interpret the data. If this produced erroneous results, then a history
match would have been employed, but this did not occur in the range of test conditions
considered here.
Using the JBN method, relative permeability is calculated from measured data following Eqs. 2-5.

krg ,outlet  f g ,outlet

1
d 
Q 
 k P 
d

 ut u g 

(2)
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krw,outlet 

(1  f g ,outlet ) krg ,outlet w

f g ,outlet
g

f g ,outlet  1 

dSav , g
dQ

S g ,outlet  Sav , g  Q(1  f g ,outlet )

(3)
(4)
(5)

Where Ǭ is the dimensionless total liquid production, which is the ratio between total liquid
production and pore volume. Subscript av denotes average properties in the core. The
measurement of the pressure drop ∆P is the same as in steady state method.

A base case simulation provides the reference point comparison. The parameters for this case
are provided in Table 2 and shown in Figure 3. Figure 5 shows the comparison for simulated
relative permeability measurements in which fluid properties have changed due to changes in
pressure and temperature. In case PT1, the pressure and temperature are 11.3 MPa and 117 oC
respectively, which keeps the IFT the same as in the base case, however, the viscosity ratio
(μw/μco2) was changed from 19.6 to 11.9 for PT1. The pressure, 5.8 MPa, and temperature, 86 oC,
in case PT2 changed the IFT from 37.4 mN/m in the base case to 46.5 mN/m, while holding the
viscosity ratio constant. In Figure 5, the apparent relative permeability curves obtained by the
steady state method in the three cases are nearly identical to the input relative permeability,
except for the highest saturations achieved in the simulation. This discrepancy is mainly due to
the capillary end effect, which leads to an increasing water saturation gradient towards the outlet
of the cores and results in an erroneous average saturation at the highest fractional flows of CO 2.
This influence is more pronounced on the relative permeability of the non-wetting phase, CO2.
The results from the unsteady state test simulations were similar to those from steady state
methods, except the saturation range, which is due to the fact that the unsteady state method
only produces values for relative permeability at saturations greater than the shock front
saturation.

The impact of core dimensions are illustrated in Figures 6 and 7. The effect of core length is
shown simply for two cases, namely 0.5 L (15 cm) and 0.25 L (7.5 cm), in Figure 6. As expected,
the shortest core sample was the most seriously influenced by the capillary end effect. Similar
effects are also seen in the cases with various core diameters (7.6 cm, and 9.7 cm), Figure 7.
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Table 2: Core properties and experimental conditions for the base model and variations in
reference to the base model. Blank cells indicate the parameter was not varied.

Low
case

High case

Figure
reported

7.6

9.7

7

37.36

37.36

46.5

5

L (cm)

30

7.5

15

6

T (oC)

50

86

117

5

P (MPa)

10

5.8

11.3

5

NaCl(mol/kg)

1

Swr

0.11

Snwr

0

λ

0.67

0.45

0.95

8

nw

6

ng

3

Q (cc/min)

20

0.4

200

9

Property
Ø (%)
k (mD)
D (cm)

Base case
25
200
3.8

 (mN/m)

Figure 5: Comparison between apparent relative permeability by steady state method (left) and unsteady
state method (right) (krg: open, krw: solid): Blue square: base case, Green triangle: PT1. Red circle: PT2.

The influence of capillary pressure (values of 0.95 and 0.45 were used for the pore size
distribution index λ) and injection flow rate are shown in Figure 8 and Figure 9 respectively. Cores
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with higher permeability in the simulation usually have lower capillary pressure (based on the
Leverett scaling relationship), smaller pressure drop, and therefore, a limited saturation range.
Similar phenomena are observed for the cases with different capillary pressures. In a scenario
where a high injection rate is used, a lower end point can be obtained as shown in Figure 9. The
apparent relative permeability curve starts to be influenced by capillary end effects at low injection
rates, especially with the JBN method, and a simulator based history match would be required to
interpret the data.

From a theoretical perspective, reliable results for relative permeability can be obtained for the
CO2-brine system at sufficiently high flow rates using both the steady and unsteady states
methods. However, we do not consider practical issues such as the resolution of pressure
measurements or the accuracy of the flow-rate measurements, which could affect the
measurements differently. Rock core heterogeneity, which has a major impact on the accuracy of
these measurements, is not considered here. In recent work Kuo and Benson [2013] and Krause
et al. [2013] have shown that heterogeneity will have a major impact on the outcome of steady
state relative permeability tests, even when the heterogeneities are small relative to dimensions
of the core. It has been long understood that sub-core heterogeneity has an adverse and
particular impact on the results of the unsteady state test [Archer and Wong 1973] but the
comparative impact of heterogeneities on steady state tests in relation to unsteady state tests is
still an outstanding question.

Figure 6: Comparison between apparent relative permeability for different core lengths by the steady state
method (left) and unsteady state method (right) (krg: open, krw: solid): Blue square: base case, Green
triangle: 0.5L. Red circle: 0.25L.
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Figure 7: Comparison between apparent relative permeability for different core diameters by the steady state
(left) and the unsteady state (right) (krg: open, krw: solid): Blue square: base case, Green triangle: 20 mD.
Red circle: 2D.

Figure 8: Comparison between apparent relative permeability for different capillary pressure curves by the
steady state (left) and the unsteady state (right) (krg: open, krw: solid): Blue square: base case, Green
0.95. Red circle: 0.45.

Figure 9: Comparison between apparent relative permeability measured at different flow rates by the steady
state (left) and the unsteady state (right) (krg: open, krw: solid): Blue square: base case, Green triangle: 0.4
cc/min. Red circle: 200 cc/min.
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5. End-Point Relative Permeability and Irreducible
Brine Saturation
Observed maximum gas saturations for CO2/brine experiments are generally less than 0.5 and
the measured relative permeabilities are low (krnw < 0.2), irrespective of the measuring technique.
Using the steady-state method, Perrin and Benson [2010] and Krevor et al. [2012], minimum
water saturation values obtained ranged between 0.45 and 0.6 and relative permeability to CO2 at
these saturations between 0.1 and 0.45 for various sandstone samples, including the wellcharacterized Berea sandstone. Akbarabadi and Piri [2013] report similar observations for
measurements on low- and high-permeability Nugget and Berea sandstone cores. Using the
unsteady-state method, Bachu and Bennion [2008] draw similar conclusions for CO2/brine relative
permeability curves measured on numerous sandstone and carbonate samples, together with the
observation of a particularly strong effect of the interfacial tension on the shape of the relative
permeability curves across the range of 20–56 mN/m.

Some authors attribute these low end-points values to rock heterogeneity (channeling and
bypassing) [Bachu and Bennion, 2008; Müller, 2011; Kuo et al., 2010; Krause et al., 2011]; and
the moderately wetting character of supercritical CO2 [Levine et al., 2013]; while others suggest
that these apparent low end-point values might reflect the level of capillary pressure achieved
during the core flood [Krevor et al., 2012]. Besides the well-known phenomenon of the capillaryend effect [Leverett, 1941], the achievement of a uniform and sufficiently high capillary pressure
across the entire sample is limited by the low viscosity of CO 2 [Krevor et al., 2012; Pini and
Benson, 2013]; the latter is indeed a prerequisite for a proper application of the steady-state
method and requires displacement flow rates that might be experimentally inaccessible.

Presented below are results from an experimental campaign designed around a single Berea
sandstone core. Three different fluid pairs were chosen, namely gCO2/ water, gN2/water and
CO2/brine, so as to cover a range of interfacial tension values from 40-65 mN/m), while
maintaining a constant viscosity ratio (

w/

nw

≈ 30). The experiments carried out at moderate

pressures (P = 2.4 MPa and T=50°C for gCO2/ water, gN2/water) can be compared directly with
results for gas/liquid systems reported in the literature – as well as – they set the benchmark for
the experiment at a higher pressure (P = 9 MPa and T=50°C), where CO2 is in the supercritical
state. Most importantly, an alternative method has been applied to perform the relative
permeability experiments and to approach true end-point conditions [Pini and Benson, 2013]. The
technique measures simultaneously the capillary pressure and relative permeability at the inlet
face of the core, and key to its implementation is the ability to repeatedly measure fluid
saturations at the same position in the core. In this study, this was achieved by means of an x-ray
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CT scanner.
In the left plot of Figure 10 are shown data of the relative permeability to the non-wetting phase
measured for various fluid pairs on Berea sandstone, thus including results obtained upon
application of the new technique (empty symbols, Pini and Benson [2013]). The gray filled
symbols represent data obtained from the literature for the CO 2/brine [Akbarabadi and Piri, 2013]
and N2/brine system [Oak et al., 1990]. Several conclusions can be drawn from this plot. First, it
can be seen that the new data overlap with those reported in Perrin and Benson [2010]; Krevor et
al. [2012]; Akbarabadi and Piri [2013] for the Berea/CO2/brine system, and they further extend to
higher relative permeability values by closely following the data by Oak et al. [1990] for the
Berea/N2/brine system. The agreement with the literature data supports the validity of the
proposed technique, while highlighting its suitability to reach end-point values. Secondly, the fact
that the various fluid pairs yield essentially the same drainage relative permeability curve
suggests that under these experimental conditions interfacial effects are negligible, as often
reported for water/oil, oil/gas and water/gas systems [Lefebvre du Prey, 1973; Amaefule and
Handy, 1982; Oak et al., 1990]. With respect to the CO 2 system, this further confirms that as long
as the same wetting preference is maintained, the use of analog fluids is justified for the
characterization of relative permeability curves. It is not clear why a significantly different behavior
was observed in the relative permeability studies reported by Bachu and Bennion [2008], though
it should be noted that in those experiments both the interfacial tension and viscosity ratio varied
simultaneously.

Figure 10: Relative permeability data on Berea sandstone for various fluid pairs. (a) Data measured using
the novel technique presented in Pini and Benson [2013] are compared to data with N2/brine by Oak et al.
(1990) and with CO2/brine by Akbarabadi and Piri [2013]. (b) CO2/brine data measured using the novel
technique are compared to drainage relative permeability curves from two previous studies from the same
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laboratory, but using the steady-state technique, namely Perrin and Benson [2010] and Krevor et al. [2012].
In both figures, the solid lines correspond to Brooks-Corey curves; parameters and details about the
experimental conditions are given in Pini and Benson [2013].

A complete set of CO2/brine drainage relative permeability curves on Berea sandstone is shown
on the right plot of Figure 10, where the data from the new technique are combined with results
from two previous studies from the same laboratory, but using the (traditional) steady-state
technique, namely Perrin and Benson [2010] and Krevor et al. [2012]. Again, the agreement
among the three data sets is good. The Brooks-Corey model (solid lines) provides a satisfactory
description of both wetting and non-wetting relative permeability curves. With respect to the
maximum relative permeability to the non-wetting phase, a value of about 0.9 has been measured
at an irreducible water saturation of about 40%. This end-point value and related irreducible water
saturation levels provide another confirmation that the system is strongly water-wet; in fact, very
similar irreducible saturation levels were reported for a water-wet Berea/oil/water system
[Amaefule and Handy, 1982] as well as for the Berea/N2/brine studied by Oak et al. [Oak et al.,
1990] that is shown in Figure 10 (left plot).

Levine et al. [2013] come to a different conclusion about wettability, suggesting that supercritical
CO2 is only moderately wetting. Based on a survey of data from the literature, they concluded that
end point relative permeability values measured on a number of samples are clustered around
0.4. They support this conclusion with three additional experiments on Berea sandstone, although
the range of values varies widely, even among replicate samples. The discrepancy between their
study and our experiments remains unresolved – thus warranting further data collection and
analysis. One of the issues to be addressed is related to the correct accounting of end-effects in
the interpretation of the core-flood experimental observations.

While there remain uncertainties about end-point permeability values, we recommend, at the very
least, that this technique [Ramakrishnan and Cappiello, 1981; Pini and Benson, 2013; and Levine
et al., 2013] be applied in conjunction with conventional steady-state experiments, which tend to
be constrained by the maximum capillary pressure that can be achieved experimentally. In this
context, more experiments are needed with reservoir cores from different geological settings to
extend the applicability of the technique beyond the Berea sandstone considered here.
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6. Imbibition Relative Permeability Curves
The migration of a CO2 plume through storage aquifers may be primarily characterized as
drainage and imbibition processes: water saturation decreases during drainage at the tip of the
plume, while during imbibition water re-enters the pore-space, thus disconnecting and
immobilizing bubbles of CO2 at the trailing edge of the plume. Cycles of drainage and imbibition
may occur, which may cause the disconnected CO2 bubbles to coalesce and flow again. When
this occurs, fluid saturations would not solely depend on the current drainage or imbibition
process, but also on the history of previous drainage and imbibition cycles; this is known as
hysteretic behavior. One of the consequences of hysteresis is that the relative permeability to the
non-wetting phase (CO2) during imbibition can go to zero with a significant fraction of the nonwetting phase remaining trapped in the pore space. This phenomenon is called residual trapping
and is an important trapping mechanism for injected CO2.

Despite its importance, the hysteretic behavior of CO2/brine relative permeability curves at
representative conditions hasn’t received much attention and data are scarce. Besides improving
fundamental understanding on the irreversibility of multiphase flows, this information is key to
developing appropriate formulations of relative permeability characteristic curves for numerical
multiphase reservoir simulators; as a matter of fact, often non-hysteretic models are applied,
which tend to over-predict the total trapped CO2 saturation in the trailing edge of the CO2 plume,
while under-predicting the mobility of the leading edge of the CO2 plume [Doughty, 2007].
The following presents new results from a theoretical and experimental investigation on the
hysteretic behavior illustrated by relative permeability curves for the CO2/brine/Berea sandstone
system. New data obtained from this study are compared to a recent experimental data set
reported in the literature [Akbarabadi and Piri, 2013], and a recently developed hysteretic model
[Patterson and Falta, 2012] is applied and validated against both sets of data. One of the goals of
this analysis is to investigate whether the observed CO 2 trapping behavior is consistent when a
pore space undergoes repeated cycles of drainage and imbibition, that is, a scenario in which
secondary drainage occurs without returning to 100% brine saturation between cycles. While in
the study by Akbarabadi and Piri [2013] conditions were returned to full saturations of the wetting
phase between drainage/imbibition cycling events, in this study each cycle began from previous
CO2 residual saturation [Ruprecht et al., 2014].

The complete data set for this experiment is shown in Figure 11 [from Ruprecht et al., 2014]. For
the sake of clearer representation, in the subsequent discussion, data on the relative permeability
to the water phase are not shown in the figure as they follow one single bounding primary
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drainage and imbibition curve; this last observation is not surprising for systems that possess a
strong wetting character, such as the water-wet Berea sandstone.

Figure 11: Relative permeability during drainage and imbibition measured on Berea sandstone during 3
cycles of sequential drainage and imbibition [after Ruprecht et al., 2014

Imbibition relative permeability curves from these two studies are shown in detail in Figure 12,
where hysteretic relative permeability data to CO2 are shown for the CO2/brine/Berea sandstone
system. In both cases, CO2 relative permeability data fall on a single bounding primary drainage
curve and several imbibition curves, depending on the number of cycles performed. Solid lines
represent best fit obtained by employing the linear trapping model in a scaled Van Genuchten–
Burdine model that uses an effective saturation that includes a trapping term [Ruprecht et al.,
2014]. Note that this last approach leads to relative permeability curves that are smooth and
continuously differentiable, thus providing good numerical performance [Patterson and Falta,
2012]. It is worth noting that results from the present study show that, at each cycle, the scanning
drainage curve follows the corresponding imbibition scanning curve until the primary drainage
curve is reached. This observation supports a common assumption in modelling studies [Killough
1976]. In both experiments, the resultant curves behave similarly and are characterized by a
concave downward trend at the experimental end point.
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With relevance to the hysteretic character of the curves, a small portion of the drainage curve is
retraced before a unique imbibition curve can be identified, in agreement with early studies [Naar
et al., 1962]. The reason for this phenomenon can be traced back to the particular geometry and
topology of the pore space, as studies on glass micro-models have shown that a small pore-tothroat ratio might lead to dynamics of multiphase flow that are completely reversible [Wardlaw,
1980]. It should be noted that larger residual saturations are observed in the study by Akbarabadi
and Piri [2013] as compared to those measured in here, despite the use of a similar rock sample.
While the different approach applied to perform the drainage/imbibition cycles may be causing
this discrepancy, this example further highlights the need for more experimental studies on
imbibition behavior during multiphase displacements. These should include observations for
different rock types at conditions relevant to geologic carbon sequestration, as the imbibition
process will ultimately affect the amount of CO2 that can be immobilized by residual trapping
within a storage formation and eventually play a large role in the long term security of a storage
project.

Figure 12: Hysteretic relative permeability data to CO2 in a CO2/brine/Berea sandstone system. Literature data
[Akbarabadi and Piri 2013] (left plot) are compared to new data from this study [Ruprecht., 2014]. The two
studies differ in the way drainage/imbibition cycles have been performed. In the former case, fully saturated
conditions for the wetting phase were attained prior to starting a new cycle, while in the latter case each cycle
began from previous CO2 residual saturation. Solid lines represent fitted van Genuchten-Burdine relative
permeability formulations using a definition of effective saturation that includes a trapping term, as suggested
by [Patterson and Falta, 2012] and described in [Ruprecht et al., 2014].
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7. Relative Permeability of Exsolved CO2 and Brine
It is well known that the relative permeability to CO2 depends on the drainage and imbibition
history of the rock, as described above – so called hysteresis associated with drainage and
imbibition. The permeability to CO2 and brine also depends on whether the CO2 enters the rock
by drainage or exsolution [Zuo et al., 2012; 2013; 2014]. Exsolution occurs when the pressure
decreases in CO2-saturated brine, such as might occur if CO2 saturated brine moves upward
through a fault or leaking wellbore.

In Figure 13, the relative permeability to brine and CO2 for an exsolved phase is compared to CO2
introduced into the rock during drainage [data from Zuo et al., 2012]. As shown, the relative
permeability for both phases is very low compared to the relative permeability measured during
drainage. In addition, exsolved CO2 has very low mobility during imbibition. Figure 14 shows a
comparison between the trapped CO2 (as a function of the initial saturation prior to imbibition) for
CO2 introduced into the core by drainage or exsolution. Essentially all of the exsolved CO2 is
immobile in these experiments until it exceeds the “critical” gas saturation (which is greater than
0.3).

Figure 13: Relative permeability to CO2 and brine during exsolution and drainage for (a) Berea and (b) Mt
Simon sandstones [after Zuo et al., 2012].

Micromodel experiments have shown that the low relative permeability to exsolved CO 2 and brine
can be explained primarily by two factors: 1) exsolved CO 2 is distributed evenly through the rock,
as compared to drainage where CO2 occupies the portions of the rock with the highest
permeability and lowest capillary pressure, and 2) CO 2 forms disconnected ganglia, preventing
the formation of a continuous phase which is readily transported through the rock [Zuo et al.,
2013].
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The implications of the reduced mobility to exsolved CO2 are that numerical simulations using
relative permeability curves generated from drainage and post-drainage imbibition will
significantly overestimate the mobility of CO2 [Falta et al., 2013]. If exsolution is an important
process in the simulation scenario, process-specific parameterization is required. These
situations arise primarily for water injection, leakage or remediation scenarios [e.g. Esposito and
Benson, 2012; Zuo and Benson, 2013]. For most situations, exsolution is not very important, but
for those cases where it is, care must be taken to account for the low mobility of exsolved CO 2.

Figure 14: Comparison between trapped CO2 for post-drainage and post-exsolution imbibition [after Zuo and
Benson, 2014].
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8. New Relative Permeability Data for Cores from
Other Prospective Storage Sites
New relative permeability curves for reservoir rocks containing significant heterogeneity are
presented here. The influence of heterogeneity on relative permeability is the subject of ongoing
investigations.

8.1 Heletz Site, Israel
The MUSTANG Project is evaluating the feasibility of CO2 storage at the Heletz Site in the
southern part of the Mediterranean Coastal Plain of Israel
(http://www.co2mustang.eu/Heletz.aspx). The target formation at the Heletz Site is a subarkosic
arenite, characterized by a large degree of heterogeneity in texture, structure and mineralogy.
This manifests itself in a low degree of roundness and sphericity of the composing mineral grains,
a heterogeneous grain size distribution; and lamination and mineral grains of various
compositions and pre-depositional histories. The rock is cemented by calcite and clay minerals,
which, together with the abundant presence of glauconite and seams of immature coal, indicate a
littoral depositional environment. To prevent extensive modification of the hydrosilicate mineral
fraction as a consequence of dehydration, the core was immediately processed upon its arrival in
the lab. To preserve the core during transport it was packed inside a wax sheath. Slight alteration
of the pore structure might have occurred during transport, since the sample arrived in the lab in a
undersaturated state with respect to the fluids in its original geological setting.
Helium pycnometry (a technique to measure the porosity and grain density of rock samples) on 6
sub-samples (radius 8 mm, length approx. 1.5 cm) resulted in a distribution of grain densities
ranging from 2.64 to 2.66 g/cc with an average of 2.645 g/cc. Porosity measurements based on
these densities lead to porosity values ranging from 21.5 % to 25.2 % (average 23.5 %). Multiphase flow properties in the form of capillary pressure measurements using Mercury Intrusion
Porosimetry concluded the characterization of the samples. Figure 15 shows the respective
capillary pressure curves. These values were converted from the system mercury-air to the
system supercritical CO2-H2O. Based on these values, a bimodal pore throat size distribution was
computed (Figure 16), with the smaller (with respect to the total pore volume) fraction of pore
throat radii averaging around 0.1 microns and the larger fraction around 100 microns.

Characterization of the porosity distribution in a larger core sample (4 cm diameter, 9 cm length)
using a medical X-ray CT scanner revealed an internal layering, not visible by the unaided eye.
Figure 17 shows layers, which are up to 0.5 cm thick and perpendicular to the long axis of the
core. Figure 18 illustrates the 3D porosity distribution in the sample. The pixel size is 0.5 x 0.5 x 1
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mm. A permeability of 104 md was measured by injecting water into the water-saturated core at
various flow rates and measuring the pressure drop across the core.
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Figure 15: Capillary pressure curve measured on 6 sub-samples using Mercury Intrusion Porosimetry. Data
were converted to the system supercritical (sc) CO2/H2O using a wetting angle for supercritical CO2-H2O-rock
of 0 degree and an interfacial tension between CO2 and H2O of 0.035 N/m.
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Figure 16: Bimodal pore throat size distribution measured using Mercury Intrusion Porosimetry on 6 subsamples of the Heletz core. Symbols: S (mercury saturation), r (pore throat radius) .

Figure 17: Porosity values in the XZ-plane. Heterogeneities in the form of several mm-thick layers are visible.
X-ray CT imaging parameters: 120 keV, 200 mA, field of view is 25 cm.
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Figure 18: 3D porosity distribution in the Heletz core. X-ray CT imaging parameters: 120 keV, 200 mA, field of
view is 25 cm.

Using the same core used for the measurement of the 3D porosity distribution, relative
permeability measurements were made with the steady state technique described in Section 3,
along with the method described in Section 5 for measuring the end-point relative permeability to
CO2. A mixture of supercritical (sc) CO2 and water was injected into the core at a total flow rate of
10 ml/min, while simultaneously measuring the pressure drop along the core. Stepwise increase
of the CO2/H2O ratio (at the same total flow rate) allowed us to increase the saturation in the core,
which was then measured by means of X-ray CT scanning [Perrin and Benson, 2010]. Higher
CO2 saturations were achieved by gas-only injection at flow rates up to 35 ml/min CO2 [as
described in Pini and Benson, 2013]. Measurements were made at 10.3 MPa and 50 oC. The
relative permeability obtained for the drainage and imbibition case is shown in Figure 19. Table 3
provides the Brooks Corey fitting parameters. While the relative permeability curve for water is
very similar to the respective curve for a comparatively homogeneous Berea sandstone, the CO2
relative permeability curve reaches significantly higher values at lower water saturations. This
type of behavior is expected for heterogeneities aligned parallel to the flow direction – or for rocks
with discontinuous layering perpendicular to the flow direction. The latter is most likely the
explanation for the comparatively high relative permeability to CO 2 for the Heletz core.
Subsequent water imbibition was performed at a total flow rate of 10 ml/min and stepwise
increasing water fractions up to water-only injection. The residual CO2 saturation (the amount of
CO2 trapped as a residual phase) is about 0.2, although it is likely that the residual saturation
would be larger if higher CO2 saturations were achieved during the drainage process.
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Figure 19: Drainage and imbibition relative permeability curves for the Heletz Core. Values are measured
using the steady state method [Perrin and Benson, 2010], except for the four highest drainage relative
permeabilities of supercritical CO2, which result from gas-only injection [Pini and Benson, 2013] at flow rates
10, 15, 25 and 35 ml/min. Working fluids are supercritical CO2 and water at 10.3 MPa pressure and 50 oC.

Table 3: Fitting parameters for the Heletz Core relative permeability.

Brooks – Corey fitting parameters
Irreducible water saturation, Swi

0.22

Pore size distribution index, 𝜆

0.46

krco2(swi)

0.93

Brooks Corey Equations:

𝑠𝑤∗ =

𝑠𝑤 − 𝑠𝑤𝑖
1 − 𝑠𝑤𝑖

𝑘𝑟,𝑤 = 𝑠𝑤∗ 3+2/𝜆
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2

𝑘𝑟,𝐶𝑂2 = 𝑘𝑟𝐶𝑂2 (𝑠𝑤𝑖 )(1 − 𝑠𝑤∗ )2 [1 − 𝑠𝑤∗ 1+𝜆 ]
where,

𝜆 = 𝑓𝑖𝑡𝑡𝑖𝑛𝑔 𝑝𝑎𝑟𝑎𝑚𝑒𝑡𝑒𝑟 𝑎𝑛𝑑 𝑝𝑜𝑟𝑒 𝑠𝑖𝑧𝑒 𝑑𝑖𝑠𝑡𝑟𝑖𝑏𝑢𝑡𝑖𝑜𝑛 𝑖𝑛𝑑𝑒𝑥
𝑠𝑤 = 𝑤𝑎𝑡𝑒𝑟 𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑖𝑜𝑛
𝑠𝑤𝑖 = 𝑖𝑟𝑟𝑒𝑑𝑢𝑐𝑖𝑏𝑙𝑒 𝑤𝑎𝑡𝑒𝑟 𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑖𝑜𝑛
𝑘𝑟,𝑤 = 𝑟𝑒𝑙𝑎𝑡𝑖𝑣𝑒 𝑝𝑒𝑟𝑚𝑒𝑎𝑏𝑖𝑙𝑖𝑡𝑦 𝑡𝑜 𝑤𝑎𝑡𝑒𝑟
𝑘𝑟,𝐶𝑂2 = 𝑟𝑒𝑙𝑎𝑡𝑖𝑣𝑒 𝑝𝑒𝑟𝑚𝑒𝑎𝑏𝑖𝑙𝑖𝑡𝑦 𝑡𝑜 𝐶𝑂2
𝑘𝑟𝐶𝑂2 (𝑠𝑤𝑖 ) = 𝑟𝑒𝑙𝑎𝑡𝑖𝑣𝑒 𝑝𝑒𝑟𝑚𝑒𝑎𝑏𝑖𝑙𝑖𝑡𝑦 𝑡𝑜 𝐶𝑂2 𝑎𝑡 𝑡ℎ𝑒 𝑖𝑟𝑟𝑒𝑑𝑢𝑐𝑖𝑏𝑙𝑒 𝑤𝑎𝑡𝑒𝑟 𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑖𝑜𝑛

8.2 Arqov and Inmar Formations, Israel
Several formations are under investigation by the Geological Survey of Israel as prospective
storage sites. Sandstone cores were obtained from two wells in southern Israel, namely the
Ramon-1 (1194 m depth) and the Daya-1 well (1736 m depth). The cores belong to the Arqov
Formation (Upper Permian age) and the Upper Inmar Formation (lower Jurassic cycle),
respectively. The former is composed mainly of sandstone and shale, with some minor limestone
layers, while the latter includes mostly sandstone, siltstone and mudstone [Orlova and Hirsch
2005]. Both rocks can be classified as mature quartz-arenite with medium-to-coarse grain size
(300-

𝜇m), and they both showed cementation by well-developed quartz overgrowth and

blocky calcite.

Figure 20 shows the 3-D porosity maps of the two core samples obtained by x-ray imaging
(sample diameter/length is 5/6.5 cm); a cross-section along the flow direction is shown with a
resolution of (2x2x3) mm3. Significant differences are observed between the two cores. First, the
average porosity of the cores are 10.9% and 18.3% for the Arqov and Inmar sample, respectively.
Second, while the Inmar sample shows random and minimal fine-scale variations in the porosity
(color scale, 15-22%), the Arqov sample is characterized by a stronger (5-20%) and correlated
(layered) heterogeneity.

Relative permeability measurements have been carried out with supercritical CO2 and water
using the steady-state technique described in Section 3 (temperature 50°C, pore pressure 8.9
MPa, confining pressure 11.7 MPa). The experiment started with saturation of the sample with
water at experimental conditions, followed by the measurement of the sample’s (absolute)
permeability to water. The values of the estimated permeability are 13 mD (Arqov) and 425 mD
(Inmar), respectively. During the relative permeability experiment, the pre-equilibrated fluids were
co-injected at a total constant flow rate and by increasing the volumetric fraction of injected CO 2
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in steps (from 15% up to 97%). Due to the different permeability of the samples, a lower flow rate
was applied to the Arqov sample (10 mL/min) as compared to the Inmar sample (15 mL/min). The
measured relative permeability curves are shown in Figure 21 for the Arqov (empty circles) and
Inmar samples (Inmar sample). Brooks-Corey fitting parameters for the Inmar and Arqov cores
are provided in Tables 4 and 5, respectively.
Table 4: Summary of relative permeability fitting parameters for the Inmar core.

Brooks – Corey fitting parameters
Irreducible water saturation, Swi

0.65

Pore size distribution index, 𝜆

0.50

krco2 (swi)

0.75

Table 5: Summary of relative permeability fitting parameters for the Arqov core.

Brooks – Corey fitting parameters
Irreducible water saturation, Swi

0.11

Pore size distribution index, 𝜆

1.7

krco2(swi)

0.31

Again, distinct features characterize the results for the two samples. While the relative
permeability curves for the Inmar core are very steep and cover a small range of saturations, the
two curves for the Arqov sample are shifted towards the center of the plot and cross at around
50% saturation. The explanation for the large differences between the relative permeability
curves is uncertain. Possible explanations are that the Arqov sample may be only moderately
water wet and/or that the heterogeneity of the rock has a large influence on the relative
permeability curves.
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Figure 20: 3-D reconstruction of the porosity maps of the Arqov and Inmar sandstone samples. Imaging
parameters: 120 keV, 200 mA, FOV 25 cm. Resolution: (2x2x3) mm 3.

Figure 21: Relative permeability curves for supercritical CO2/water at 8.97 MPa (1300 psi) and 50°C for
Arqov and Inmar sandstone cores. Symbols are results from steady-state experiments, while the lines are
fitted Brook-Corey curves.

The influence of heterogeneity is clearly observed from the saturation data measured during the
relative permeability experiments for the injection at 97% fractional flow of CO 2 (Figure 22). The 1-
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D profiles highlight one of the main differences between the two experiments, with the Arqov core
reaching much higher CO2 saturations (~50%) than the Inmar core (~15%). The corresponding 2D maps shown on the left panel of the figure show that in the Inmar core the CO 2 saturation is
limited within horizontal layers, while a more random distribution of CO2 is observed for the maps
obtained with the Arqov core. Interestingly enough, the layering that is characteristic to the Inmar
sample could not be identified solely based on the porosity maps, thus confirming the importance
of the simultaneous visualization of multiphase flows during relative permeability experiments.
Numerical simulation and/or additional measurements would be required to distinguish the origin
of the large differences between the two different relative permeability curves.
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Figure 22: Multi-dimensional visualization of the fluid saturation distribution during the relative permeability
experiment (CO2 fractional flow is 97%). Left: 2-D saturation maps for five distinct slices in the core (about 1
cm apart). Right: the corresponding 1-D saturation profiles.

42

9. Summary and Recommendations
9.1 Summary of Findings
The goal of this study was to provide additional information to elucidate critical issues regarding
relative permeability of CO2/brine systems relevant to geological storage of CO2. A combination
of laboratory experiments and numerical simulations were used to address the issues outlined in
Section 2 of the report. Here we provide a summary of these key findings.


Influence of interfacial tension on relative permeability: Two sets of laboratory
experiments using supercritical CO2/brine, CO2gas/brine, and N2/brine were carried out to
systematically assess the influence of interfacial tension on the measured relative
permeability curves. Both experiments suggested that changing the interfacial tension
from 35 to 65 mN/m did not have a significant effect on the measured relative
permeability curves. Consequently, from these studies, over the range of conditions
relevant to CCS (including the reservoir and overlying formations), interfacial tension
variations are not likely to have a significant impact on relative permeability curves for
conditions representative of typical geological storage reservoirs.



Influence of measurement methods on reported relative permeability curves: Differences
in the methods used by various research groups to measure relative permeability curves
are one possible reason for the wide variability between measured relative permeability
curves. To assess whether or not this is likely a systematic numerical comparison was
carried out between steady and unsteady state, relative permeability measurements over
a wide range of conditions. An evaluation was made to determine whether one method or
the other is likely to provide more accurate data. Simulations were conducted assuming
that the cores are homogeneous. Under these conditions, both methods appear to create
equally good results as long as the flow rate is high enough to avoid end effects.
Unsteady state methods were more strongly influenced by end effects at low flow rates,
but this can be managed by injecting at high enough rates. This study did not
systematically assess how high the rates need to be as it depends on the permeability of
the rock, viscosity ratio, density ratio, and capillary pressure curve. Although not the
focus of this study, unsteady state methods are more likely to be affected by geological
heterogeneity. Based on these studies, it is unlikely that the wide range of relative
permeability values reported for the CO2/brine system can be explained as the
consequence of the different measurement techniques used. Instead, they are likely to be
explained by the different geology, including heterogeneity and wettability, of the cores.
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Another caveat to this conclusion is that the influence of errors in measuring saturation,
flow rate, and pressure drop across the core have not been evaluated. The steady and
unsteady methods use different techniques for measuring saturation and flow rate.
Differences in measurement errors could the conclusion of this study. Consequently, it is
recommended that a systematic comparison be undertaken to measure relative
permeability using both steady-state and dynamic measurements for a range of different
rock types, ideally, at a number of the leading laboratories where these measurements
are being made today.


Investigation of the low end-point relative permeability and high irreducible water
saturations. A set of relative permeability measurements was made to investigate
whether reported high end-point irreducible water saturations and low end-point relative
permeability to CO2 are indeed real, or result from limitations of the measurement
techniques in use today. Because of the unfavourable mobility ratio and high interfacial
tension between CO2/brine, it is difficult to reach the high capillary pressures needed to
achieve high CO2 saturations in the cores. Krevor et al., [2012] pointed out that for steady
state measurements, it would be difficult or impossible to reach irreducible brine
saturations. An alternative technique, the stationary fluid method (also sometimes called
the semi-dynamic method), not limited by this constraint, was employed to measure the
relative permeability to supercritical CO2, gaseous CO2, and nitrogen [Pini and Benson,
2013]. Application of this method shows that all three fluids have similar relative
permeability curves – and the low end-point relative permeability values and high
irreducible brine saturations are an artefact of the other methods currently employed to
make this measurements. However, this remains an open issue warranting additional
investigation [e.g. Levine et al., 2013].



Lack of a sufficient number of data sets for imbibition relative permeability curves: A new
set of imbibition relative permeability curves has been measured, covering three
successive drainage and imbibition cycles. The data can be represented by the van
Genuchten-Burdine relative permeability formulations using a definition of effective
saturation that includes a trapping term, as suggested by (Patterson and Falta, 2012) and
described in [Ruprecht et al., 2014]. More imbibition data sets are needed to provide
accurate information about residual trapping and how it depends on the saturation history
of the rock.



Influence of heterogeneity on relative permeability curves: Measurements have been
made for three rocks from Israel, each with different types and degrees of heterogeneity.
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Relative permeability measurements have been made with simultaneous X-Ray CT
imaging of the porosity and CO2 distributions. The measured curves have been fit to the
Brooks Corey model – using the fitting parameters: irreducible water saturation (s wi), pore
size distribution index), and the relative permeability to CO 2 at the irreducible water
saturation (krCO2(swi)). These fitting parameters vary widely for these rocks, even though
the same measurement technique was used. The large differences between the relative
permeability curves and saturation variations observed in the cores provide additional
evidence that small-scale heterogeneity (sub-core scale) and perhaps variable wettability
characteristics play an important role in controlling relative permeability to CO 2 and brine.
Additional studies of the influence of sub-core scale heterogeneity are needed. Moreover,
insight gained from careful studies of small-scale heterogeneity can be used to improve
our understanding and mathematical modeling of the larger scale heterogeneities that are
also ubiquitous in geological formations.


Importance of relative permeability curves for other processes such as exsolution of CO 2
from the brine phase: The relative permeability to CO2 and brine will depend on the
process by which separate phase CO2 is introduced into the rock. Exsolution of CO2
caused by depressurization of CO2 saturated brine provides an excellent example of this.
The relative permeability to both exsolved CO2 and brine is much lower than for CO2
introduced by injection (a drainage process). Additionally, exsolved CO2 is trapped more
strongly during imbibition, compared to CO2 introduced during drainage. Numerical
simulations used for predicting the fate of CO2, particularly associated with any process
resulting in large pressure drops (e.g. leakage of CO2), should use relative permeability
curves specific to the process of interest.



Identification of best practices for making relative permeability measurements for CO 2brine systems: Today, relative permeability measurements have been made using a
number of different methods, including steady state, unsteady state, and stationary fluid
methods. Given the unique properties of the CO2-brine system, resulting from low
viscosity of CO2 relative to brine and high interfacial tension, there is a need to develop
best practices for making relative permeability measurements for CO 2 storage projects.
These studies suggest that for homogeneous rocks, both unsteady and steady state
methods should provide reliable relative permeability measurements for low CO2
saturations (typically 0-30% CO2 saturation, but highly dependent on the rock properties).
However, neither method can practically provide accurate values for irreducible brine
saturations and end-point relative permeability values. Other methods such as the
stationary fluid method with progressive increases in the CO2 injection rate and/or
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centrifuge measurements are required to measure these values. For heterogeneous
rocks, which are the rule and not the exception, additional studies are needed to assess
the best methods for making relative permeability measurements over the full range of
relevant saturations.

9.1 Recommendations
There have been significant advances in the understanding of multiphase flow of CO 2 and brine
from this and many other excellent studies. Compared to a decade ago, a large investment by
governments and the private sector has resulted in a large body of knowledge to guide design
and prediction of the performance of geological storage of CO2. While questions remain,
particularly associated with the influence of geological heterogeneity and variable wettability, real
progress has been made. Key to making the next advances are the combination of coordinated
laboratory experiments, numerical simulations, and field-scale investigations. Specific
recommendations for continued research in this area are as follows:
1. Conduct a “Round-Robin” Relative Permeability Comparison Study: Carry out a
systematic study to compare relative permeability measurements using both steady-state
and dynamic measurements. A range of relevant rock types should be used, ideally, in
partnership with the leading commercial and academic laboratories where these
measurements are being made today. Relative permeability measurements should
include complete characterization of the rock using thin-sections, X-ray tomography, and
micro-tomography, and capillary pressure curves over a range of spatial scale. The
results should be compared systematically to assess which methods provide similar data,
and when different, the origin of these discrepancies. A comprehensive report
documenting the study should be prepared.
2. Investigate the Influence of Multi-Scale Heterogeneity on Relative Permeability for
CO2/brine Systems: Carry out a coordinated study of the influence of multi-scale
heterogeneity on relative permeability. The study should use a combination of multi-scale
laboratory measurements, high-resolution numerical simulations, and field scale studies
to determine the best approach for including the influence of heterogeneity on the fate
and transport of CO2. Studies need to span the range of capillary (μVT/σ) gravity
(kΔρgL/μVT) and Bond (ΔρgL2/σ) numbers relevant to the injection and post-injection
stages of a storage project because recent studies have demonstrated that flow-rate
dependent relative permeability curves are common for heterogeneous systems,
especially in capillary and gravity dominated conditions typical of CO2/brine systems.
3. Establish an Open Access Database of Relative Permeability and Capillary Pressure
Curves for CO2/Brine Systems: There is a need for an archival set of relative permeability
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and capillary pressure curves that can be used for simulation models and comparison
studies. Many groups around the world are now making these measurements, and it is an
excellent time to begin to build an open access, but curated, database. Meta-data about
the conditions under which the measurements were made, techniques used and other
relevant data on rock characteristics should be included. This database will be a
tremendously valuable resource to the industry and academic community working on CO 2
storage in geological formations.
4. Prepare a "Best Practices" Manual for Making Relative Permeability Measurements in
CO2/brine Systems. This should be initiated after completing the round-robin study
suggested in Recommendation 1.
5. Increase the Number of Drainage and Imbibition Relative Permeability Measurements for
CO2/Brine Systems: There are still a comparatively small number of reliable and welldocumented relative permeability measurements for the CO2/Brine system. Additional
measurements, particularly for a range of relevant rock types representative of actual
storage reservoirs, are needed. The measurements should be made using accepted and
documented methods as outlined in the “Best Practices” manual made in
Recommendation 4.
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